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(10) The CEMS shall be operated according to Performance Specification 11 in appendix B of this part. 

(11) During the correlation testing runs of the CEMS required by Performance Specification 11 in appendix B of 

this part, PM and O2 (or CO2) data shall be collected concurrently (or within a 30- to 60-minute period) by both 

the continuous emission monitors and performance tests conducted using the following test methods. 

(i) For PM, Method 5 or 5B of appendix A-3 of this part or Method 17 of appendix A-6 of this part shall be used; 

and 

(ii) For O2 (or CO2), Method 3A or 3B of appendix A-2 of this part, as applicable shall be used. 

(12) Quarterly accuracy determinations and daily calibration drift tests shall be performed in accordance with 

procedure 2 in appendix F of this part. Relative Response Audit's must be performed annually and Response 

Correlation Audits must be performed every 3 years. 

(13) When PM emissions data are not obtained because of CEMS breakdowns, repairs, calibration checks, and 

zero and span adjustments, emissions data shall be obtained by using other monitoring systems as approved by the 

Administrator or EPA Reference Method 19 of appendix A of this part to provide, as necessary, valid emissions 

data for a minimum of 75 percent of total operating hours on a 30-day rolling average. 

(14) As of January 1, 2012, and within 90 days after the date of completing each performance test, as defined in 

§60.8, conducted to demonstrate compliance with this subpart, you must submit relative accuracy test audit (i.e., 

reference method) data and performance test (i.e., compliance test) data, except opacity data, electronically to 

EPA's Central Data Exchange (CDX) by using the Electronic Reporting Tool (ERT) (see 

http://www.epa.gov/ttn/chief/ert/ert tool.html/) or other compatible electronic spreadsheet. Only data collected 

using test methods compatible with ERT are subject to this requirement to be submitted electronically into EPA's 

WebFIRE database. 

(d) The owner or operator of an affected facility seeking to demonstrate compliance under §60.43c(e)(4) shall 

follow the applicable procedures under §60.48c(f). For residual oil-fired affected facilities, fuel supplier 

certifications are only allowed for facilities with heat input capacities between 2.9 and 8.7 MW (10 to 30 

MMBtu/h). 

Because Boiler 4 and the Temporary Boiler is not subject to the PM performance standards of 60.43c, the 

compliance and performance test methods of 60.45c are not applicable. 

§60.46c      Emission monitoring for sulfur dioxide. 

(a) Except as provided in paragraphs (d) and (e) of this section, the owner or operator of an affected facility 

subject to the SO2 emission limits under §60.42c shall install, calibrate, maintain, and operate a CEMS for 

measuring SO2 concentrations and either O2 or CO2 concentrations at the outlet of the SO2 control device (or the 

outlet of the steam generating unit if no SO2 control device is used), and shall record the output of the system. 

The owner or operator of an affected facility subject to the percent reduction requirements under §60.42c shall 

measure SO2 concentrations and either O2 or CO2 concentrations at both the inlet and outlet of the SO2 control 

device. 

(b) The 1-hour average SO2 emission rates measured by a CEMS shall be expressed in ng/J or lb/MMBtu heat 

input and shall be used to calculate the average emission rates under §60.42c. Each 1-hour average SO2 emission 

rate must be based on at least 30 minutes of operation, and shall be calculated using the data points required under 

§60.13(h)(2). Hourly SO2 emission rates are not calculated if the affected facility is operated less than 30 minutes 

in a 1-hour period and are not counted toward determination of a steam generating unit operating day. 

(c) The procedures under §60.13 shall be followed for installation, evaluation, and operation of the CEMS. 

(1) All CEMS shall be operated in accordance with the applicable procedures under Performance Specifications 1, 

2, and 3 of appendix B of this part. 

(2) Quarterly accuracy determinations and daily calibration drift tests shall be performed in accordance with 

Procedure 1 of appendix F of this part. 

(3) For affected facilities subject to the percent reduction requirements under §60.42c, the span value of the SO2 

CEMS at the inlet to the SO2 control device shall be 125 percent of the maximum estimated hourly potential SO2 

emission rate of the fuel combusted, and the span value of the SO2 CEMS at the outlet from the SO2 control 

device shall be 50 percent of the maximum estimated hourly potential SO2 emission rate of the fuel combusted. 

(4) For affected facilities that are not subject to the percent reduction requirements of §60.42c, the span value of 

the SO2 CEMS at the outlet from the SO2 control device (or outlet of the steam generating unit if no SO2 control 
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device is used) shall be 125 percent of the maximum estimated hourly potential SO2 emission rate of the fuel 

combusted. 

(d) As an alternative to operating a CEMS at the inlet to the SO2 control device (or outlet of the steam generating 

unit if no SO2 control device is used) as required under paragraph (a) of this section, an owner or operator may 

elect to determine the average SO2 emission rate by sampling the fuel prior to combustion. As an alternative to 

operating a CEMS at the outlet from the SO2 control device (or outlet of the steam generating unit if no SO2 

control device is used) as required under paragraph (a) of this section, an owner or operator may elect to 

determine the average SO2 emission rate by using Method 6B of appendix A of this part. Fuel sampling shall be 

conducted pursuant to either paragraph (d)(1) or (d)(2) of this section. Method 6B of appendix A of this part shall 

be conducted pursuant to paragraph (d)(3) of this section. 

(1) For affected facilities combusting coal or oil, coal or oil samples shall be collected daily in an as-fired 

condition at the inlet to the steam generating unit and analyzed for sulfur content and heat content according the 

Method 19 of appendix A of this part. Method 19 of appendix A of this part provides procedures for converting 

these measurements into the format to be used in calculating the average SO2 input rate. 

(2) As an alternative fuel sampling procedure for affected facilities combusting oil, oil samples may be collected 

from the fuel tank for each steam generating unit immediately after the fuel tank is filled and before any oil is 

combusted. The owner or operator of the affected facility shall analyze the oil sample to determine the sulfur 

content of the oil. If a partially empty fuel tank is refilled, a new sample and analysis of the fuel in the tank would 

be required upon filling. Results of the fuel analysis taken after each new shipment of oil is received shall be used 

as the daily value when calculating the 30-day rolling average until the next shipment is received. If the fuel 

analysis shows that the sulfur content in the fuel tank is greater than 0.5 weight percent sulfur, the owner or 

operator shall ensure that the sulfur content of subsequent oil shipments is low enough to cause the 30-day rolling 

average sulfur content to be 0.5 weight percent sulfur or less. 

(3) Method 6B of appendix A of this part may be used in lieu of CEMS to measure SO2 at the inlet or outlet of 

the SO2 control system. An initial stratification test is required to verify the adequacy of the Method 6B of 

appendix A of this part sampling location. The stratification test shall consist of three paired runs of a suitable 

SO2 and CO2 measurement train operated at the candidate location and a second similar train operated according 

to the procedures in §3.2 and the applicable procedures in section 7 of Performance Specification 2 of appendix B 

of this part. Method 6B of appendix A of this part, Method 6A of appendix A of this part, or a combination of 

Methods 6 and 3 of appendix A of this part or Methods 6C and 3A of appendix A of this part are suitable 

measurement techniques. If Method 6B of appendix A of this part is used for the second train, sampling time and 

timer operation may be adjusted for the stratification test as long as an adequate sample volume is collected; 

however, both sampling trains are to be operated similarly. For the location to be adequate for Method 6B of 

appendix A of this part 24-hour tests, the mean of the absolute difference between the three paired runs must be 

less than 10 percent (0.10). 

(e) The monitoring requirements of paragraphs (a) and (d) of this section shall not apply to affected facilities 

subject to §60.42c(h) (1), (2), or (3) where the owner or operator of the affected facility seeks to demonstrate 

compliance with the SO2 standards based on fuel supplier certification, as described under §60.48c(f), as 

applicable. 

(f) The owner or operator of an affected facility operating a CEMS pursuant to paragraph (a) of this section, or 

conducting as-fired fuel sampling pursuant to paragraph (d)(1) of this section, shall obtain emission data for at 

least 75 percent of the operating hours in at least 22 out of 30 successive steam generating unit operating days. If 

this minimum data requirement is not met with a single monitoring system, the owner or operator of the affected 

facility shall supplement the emission data with data collected with other monitoring systems as approved by the 

Administrator. 

§60.47c      Emission monitoring for particulate matter. 

(a) Except as provided in paragraphs (c), (d), (e), and (f) of this section, the owner or operator of an affected 

facility combusting coal, oil, or wood that is subject to the opacity standards under §60.43c shall install, calibrate, 

maintain, and operate a continuous opacity monitoring system (COMS) for measuring the opacity of the 

emissions discharged to the atmosphere and record the output of the system. The owner or operator of an affected 

facility subject to an opacity standard in §60.43c(c) that is not required to use a COMS due to paragraphs (c), (d), 
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(e), or (f) of this section that elects not to use a COMS shall conduct a performance test using Method 9 of 

appendix A-4 of this part and the procedures in §60.11 to demonstrate compliance with the applicable limit in 

§60.43c by April 29, 2011, within 45 days of stopping use of an existing COMS, or within 180 days after initial 

startup of the facility, whichever is later, and shall comply with either paragraphs (a)(1), (a)(2), or (a)(3) of this 

section. The observation period for Method 9 of appendix A-4 of this part performance tests may be reduced from 

3 hours to 60 minutes if all 6-minute averages are less than 10 percent and all individual 15-second observations 

are less than or equal to 20 percent during the initial 60 minutes of observation. 

(1) Except as provided in paragraph (a)(2) and (a)(3) of this section, the owner or operator shall conduct  

subsequent Method 9 of appendix A-4 of this part performance tests using the procedures in paragraph (a) of this 

section according to the applicable schedule in paragraphs (a)(1)(i) through (a)(1)(iv) of this section, as 

determined by the most recent Method 9 of appendix A-4 of this part performance test results. 

(i) If no visible emissions are observed, a subsequent Method 9 of appendix A-4 of this part performance test 

must be completed within 12 calendar months from the date that the most recent performance test was conducted 

or within 45 days of the next day that fuel with an opacity standard is combusted, whichever is later; 

(ii) If visible emissions are observed but the maximum 6-minute average opacity is less than or equal to 5 percent, 

a subsequent Method 9 of appendix A-4 of this part performance test must be completed within 6 calendar months 

from the date that the most recent performance test was conducted or within 45 days of the next day that fuel with 

an opacity standard is combusted, whichever is later; 

(iii) If the maximum 6-minute average opacity is greater than 5 percent but less than or equal to 10 percent, a 

subsequent Method 9 of appendix A-4 of this part performance test must be completed within 3 calendar months 

from the date that the most recent performance test was conducted or within 45 days of the next day that fuel with 

an opacity standard is combusted, whichever is later; or 

(iv) If the maximum 6-minute average opacity is greater than 10 percent, a subsequent Method 9 of appendix A-4 

of this part performance test must be completed within 45 calendar days from the date that the most recent 

performance test was conducted. 

(2) If the maximum 6-minute opacity is less than 10 percent during the most recent Method 9 of appendix A-4 of 

this part performance test, the owner or operator may, as an alternative to performing subsequent Method 9 of 

appendix A-4 of this part performance tests, elect to perform subsequent monitoring using Method 22 of appendix 

A-7 of this part according to the procedures specified in paragraphs (a)(2)(i) and (ii) of this section. 

(i) The owner or operator shall conduct 10 minute observations (during normal operation) each operating day the 

affected facility fires fuel for which an opacity standard is applicable using Method 22 of appendix A-7 of this 

part and demonstrate that the sum of the occurrences of any visible emissions is not in excess of 5 percent of the 

observation period (i.e. , 30 seconds per 10 minute period). If the sum of the occurrence of any visible emissions 

is greater than 30 seconds during the initial 10 minute observation, immediately conduct a 30 minute observation. 

If the sum of the occurrence of visible emissions is greater than 5 percent of the observation period (i.e., 90  

seconds per 30 minute period), the owner or operator shall either document and adjust the operation of the facility 

and demonstrate within 24 hours that the sum of the occurrence of visible emissions is equal to or less than 5 

percent during a 30 minute observation (i.e., 90 seconds) or conduct a new Method 9 of appendix A-4 of this part 

performance test using the procedures in paragraph (a) of this section within 45 calendar days according to the 

requirements in §60.45c(a)(8). 

(ii) If no visible emissions are observed for 10 operating days during which an opacity standard is applicable, 

observations can be reduced to once every 7 operating days during which an opacity standard is applicable. If any 

visible emissions are observed, daily observations shall be resumed. 

(3) If the maximum 6-minute opacity is less than 10 percent during the most recent Method 9 of appendix A-4 of 

this part performance test, the owner or operator may, as an alternative to performing subsequent Method 9 of 

appendix A-4 performance tests, elect to perform subsequent monitoring using a digital opacity compliance 

system according to a site-specific monitoring plan approved by the Administrator. The observations shall be 

similar, but not necessarily identical, to the requirements in paragraph (a)(2) of this section. For reference 

purposes in preparing the monitoring plan, see OAQPS “Determination of Visible Emission Opacity from 

Stationary Sources Using Computer-Based Photographic Analysis Systems.” This document is available from the 

U.S. Environmental Protection Agency (U.S. EPA); Office of Air Quality and Planning Standards; Sector Policies 

and Programs Division; Measurement Policy Group (D243-02), Research Triangle Park, NC 27711. This  

document is also available on the Technology Transfer Network (TTN) under Emission Measurement Center 

Preliminary Methods. 
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(b) All COMS shall be operated in accordance with the applicable procedures under Performance Specification 1 

of appendix B of this part. The span value of the opacity COMS shall be between 60 and 80 percent. 

(c) Owners and operators of an affected facilities that burn only distillate oil that contains no more than 0.5 weight 

percent sulfur and/or liquid or gaseous fuels with potential sulfur dioxide emission rates of 26 ng/J (0.060 

lb/MMBtu) heat input or less and that do not use a post-combustion technology to reduce SO2 or PM emissions 

and that are subject to an opacity standard in §60.43c(c) are not required to operate a COMS if they follow the 

applicable procedures in §60.48c(f). 

(d) Owners or operators complying with the PM emission limit by using a PM CEMS must calibrate, maintain, 

operate, and record the output of the system for PM emissions discharged to the atmosphere as specified in  

60.45c(c). The CEMS specified in paragraph §60.45c(c) shall be operated and data recorded during all periods of 

operation of the affected facility except for CEMS breakdowns and repairs. Data is recorded during calibration 

checks, and zero and span adjustments. 

(e) Owners and operators of an affected facility that is subject to an opacity standard in §60.43c(c) and that does 

not use post-combustion technology (except a wet scrubber) for reducing PM, SO2, or carbon monoxide (CO) 

emissions, burns only gaseous fuels or fuel oils that contain less than or equal to 0.5 weight percent sulfur, and is 

operated such that emissions of CO discharged to the atmosphere from the affected facility are maintained at 

levels less than or equal to 0.15 lb/MMBtu on a boiler operating day average basis is not required to operate a 

COMS. Owners and operators of affected facilities electing to comply with this paragraph must demonstrate 

compliance according to the procedures specified in paragraphs (e)(1) through (4) of this section; or 

(1) You must monitor CO emissions using a CEMS according to the procedures specified in paragraphs (e)(1)(i) 

through (iv) of this section. 

(i) The CO CEMS must be installed, certified, maintained, and operated according to the provisions in  

60.58b(i)(3) of subpart Eb of this part. 

(ii) Each 1-hour CO emissions average is calculated using the data points generated by the CO CEMS expressed 

in parts per million by volume corrected to 3 percent oxygen (dry basis). 

(iii) At a minimum, valid 1-hour CO emissions averages must be obtained for at least 90 percent of the operating 

hours on a 30-day rolling average basis. The 1-hour averages are calculated using the data points required in 

§60.13(h)(2). 

(iv) Quarterly accuracy determinations and daily calibration drift tests for the CO CEMS must be performed in 

accordance with procedure 1 in appendix F of this part. 

(2) You must calculate the 1-hour average CO emissions levels for each steam generating unit operating day by 

multiplying the average hourly CO output concentration measured by the CO CEMS times the corresponding 

average hourly flue gas flow rate and divided by the corresponding average hourly heat input to the affected 

source. The 24-hour average CO emission level is determined by calculating the arithmetic average of the hourly 

CO emission levels computed for each steam generating unit operating day. 

(3) You must evaluate the preceding 24-hour average CO emission level each steam generating unit operating day 

excluding periods of affected source startup, shutdown, or malfunction. If the 24-hour average CO emission level 

is greater than 0.15 lb/MMBtu, you must initiate investigation of the relevant equipment and control systems 

within 24 hours of the first discovery of the high emission incident and, take the appropriate corrective action as 

soon as practicable to adjust control settings or repair equipment to reduce the 24-hour average CO emission level 

to 0.15 lb/MMBtu or less. 

(4) You must record the CO measurements and calculations performed according to paragraph (e) of this section 

and any corrective actions taken. The record of corrective action taken must include the date and time during 

which the 24-hour average CO emission level was greater than 0.15 lb/MMBtu, and the date, time, and  

description of the corrective action. 

(f) An owner or operator of an affected facility that is subject to an opacity standard in §60.43c(c) is not required 

to operate a COMS provided that the affected facility meets the conditions in either paragraphs (f)(1), (2), or (3) 

of this section. 

(1) The affected facility uses a fabric filter (baghouse) as the primary PM control device and, the owner or 

operator operates a bag leak detection system to monitor the performance of the fabric filter according to the 

requirements in section §60.48Da of this part. 
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(2) The affected facility uses an ESP as the primary PM control device, and the owner or operator uses an ESP 

predictive model to monitor the performance of the ESP developed in accordance and operated according to the 

requirements in section §60.48Da of this part. 

(3) The affected facility burns only gaseous fuels and/or fuel oils that contain no greater than 0.5 weight percent 

sulfur, and the owner or operator operates the unit according to a written site-specific monitoring plan approved 

by the permitting authority. This monitoring plan must include procedures and criteria for establishing and 

monitoring specific parameters for the affected facility indicative of compliance with the opacity standard. For 

testing performed as part of this site-specific monitoring plan, the permitting authority may require as an 

alternative to the notification and reporting requirements specified in §§60.8 and 60.11 that the owner or operator 

submit any deviations with the excess emissions report required under §60.48c(c). 

Because Boiler 4 and the Temporary Boiler are not subject to the SO2 performance standards of 60.42c, the 

emission monitoring provisions for sulfur dioxide of 60.46c are not applicable.  

§60.48c      Reporting and recordkeeping requirements. 

(a) The owner or operator of each affected facility shall submit notification of the date of construction or 

reconstruction and actual startup, as provided by §60.7 of this part. This notification shall include: 

(1) The design heat input capacity of the affected facility and identification of fuels to be combusted in the 

affected facility. 

(2) If applicable, a copy of any federally enforceable requirement that limits the annual capacity factor for any 

fuel or mixture of fuels under §60.42c, or §60.43c. 

(3) The annual capacity factor at which the owner or operator anticipates operating the affected facility based on 

all fuels fired and based on each individual fuel fired. 

Because the Blackfoot Facility is an affected facility under this subpart, notification is required in accordance with 

60.48(c)(a). 

(4) Notification if an emerging technology will be used for controlling SO2 emissions. The Administrator will 

examine the description of the control device and will determine whether the technology qualifies as an emerging 

technology. In making this determination, the Administrator may require the owner or operator of the affected 

facility to submit additional information concerning the control device. The affected facility is subject to the 

provisions of §60.42c(a) or (b)(1), unless and until this determination is made by the Administrator.  

(b) The owner or operator of each affected facility subject to the SO2 emission limits of §60.42c, or the PM or 

opacity limits of §60.43c, shall submit to the Administrator the performance test data from the initial and any 

subsequent performance tests and, if applicable, the performance evaluation of the CEMS and/or COMS using the 

applicable performance specifications in appendix B of this part. 

(c) In addition to the applicable requirements in §60.7, the owner or operator of an affected facility subject to the 

opacity limits in §60.43c(c) shall submit excess emission reports for any excess emissions from the affected 

facility that occur during the reporting period and maintain records according to the requirements specified in 

paragraphs (c)(1) through (3) of this section, as applicable to the visible emissions monitoring method used. 

(1) For each performance test conducted using Method 9 of appendix A-4 of this part, the owner or operator shall 

keep the records including the information specified in paragraphs (c)(1)(i) through (iii) of this section. 

(i) Dates and time intervals of all opacity observation periods; 

(ii) Name, affiliation, and copy of current visible emission reading certification for each visible emission observer 

participating in the performance test; and 

(iii) Copies of all visible emission observer opacity field data sheets; 

(2) For each performance test conducted using Method 22 of appendix A-4 of this part, the owner or operator 

shall keep the records including the information specified in paragraphs 

(c)(2)(i) through (iv) of this section. 

(i) Dates and time intervals of all visible emissions observation periods; 

(ii) Name and affiliation for each visible emission observer participating in the performance test; 

(iii) Copies of all visible emission observer opacity field data sheets; and 

(iv) Documentation of any adjustments made and the time the adjustments were completed to the affected facility 

operation by the owner or operator to demonstrate compliance with the applicable monitoring requirements. 
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(3) For each digital opacity compliance system, the owner or operator shall maintain records and submit reports 

according to the requirements specified in the site-specific monitoring plan approved by the Administrator 

(d) The owner or operator of each affected facility subject to the SO2 emission limits, fuel oil sulfur limits, or 

percent reduction requirements under §60.42c shall submit reports to the Administrator. 

(e) The owner or operator of each affected facility subject to the SO2 emission limits, fuel oil sulfur limits, or 

percent reduction requirements under §60.42c shall keep records and submit reports as required under paragraph 

(d) of this section, including the following information, as applicable. 

(1) Calendar dates covered in the reporting period. 

(2) Each 30-day average SO2 emission rate (ng/J or lb/MMBtu), or 30-day average sulfur content (weight 

percent), calculated during the reporting period, ending with the last 30-day period; reasons for any 

noncompliance with the emission standards; and a description of corrective actions taken. 

(3) Each 30-day average percent of potential SO2 emission rate calculated during the reporting period, ending 

with the last 30-day period; reasons for any noncompliance with the emission standards; and a description of the 

corrective actions taken. 

(4) Identification of any steam generating unit operating days for which SO2 or diluent (O2 or CO2) data have not 

been obtained by an approved method for at least 75 percent of the operating hours; justification for not obtaining 

sufficient data; and a description of corrective actions taken. 

(5) Identification of any times when emissions data have been excluded from the calculation of average emission 

rates; justification for excluding data; and a description of corrective actions taken if data have been excluded for 

periods other than those during which coal or oil were not combusted in the steam generating unit. 

(6) Identification of the F factor used in calculations, method of determination, and type of fuel combusted. 

(7) Identification of whether averages have been obtained based on CEMS rather than manual sampling methods. 

(8) If a CEMS is used, identification of any times when the pollutant concentration exceeded the full span of the 

CEMS. 

(9) If a CEMS is used, description of any modifications to the CEMS that could affect the ability of the CEMS to 

comply with Performance Specifications 2 or 3 of appendix B of this part. 

(10) If a CEMS is used, results of daily CEMS drift tests and quarterly accuracy assessments as required under 

appendix F, Procedure 1 of this part. 

(11) If fuel supplier certification is used to demonstrate compliance, records of fuel supplier certification as 

described under paragraph (f)(1), (2), (3), or (4) of this section, as applicable. In addition to records of fuel 

supplier certifications, the report shall include a certified statement signed by the owner or operator of the affected 

facility that the records of fuel supplier certifications submitted represent all of the fuel combusted during the 

reporting period. 

(f) Fuel supplier certification shall include the following information: 

(1) For distillate oil: 

(i) The name of the oil supplier; 

(ii) A statement from the oil supplier that the oil complies with the specifications under the definition of distillate 

oil in §60.41c; and 

(iii) The sulfur content or maximum sulfur content of the oil. 

(2) For residual oil: 

(i) The name of the oil supplier; 

(ii) The location of the oil when the sample was drawn for analysis to determine the sulfur content of the oil, 

specifically including whether the oil was sampled as delivered to the affected facility, or whether the sample was 

drawn from oil in storage at the oil supplier's or oil refiner's facility, or other location; 

(iii) The sulfur content of the oil from which the shipment came (or of the shipment itself); 

and 

(iv) The method used to determine the sulfur content of the oil. 

(3) For coal: 

(i) The name of the coal supplier; 

(ii) The location of the coal when the sample was collected for analysis to determine the properties of the coal, 

specifically including whether the coal was sampled as delivered to the affected facility or whether the sample 

was collected from coal in storage at the mine, at a coal preparation plant, at a coal supplier's facility, or at another 
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location. The certification shall include the name of the coal mine (and coal seam), coal storage facility, or coal 

preparation plant (where the sample was collected); 

(iii) The results of the analysis of the coal from which the shipment came (or of the shipment itself) including the 

sulfur content, moisture content, ash content, and heat content; and  

(iv) The methods used to determine the properties of the coal. 

(4) For other fuels: 

(i) The name of the supplier of the fuel; 

(ii) The potential sulfur emissions rate or maximum potential sulfur emissions rate of the fuel in ng/J heat input; 

and 

(iii) The method used to determine the potential sulfur emissions rate of the fuel. 

(g)(1) Except as provided under paragraphs (g)(2) and (g)(3) of this section, the owner or operator of each 

affected facility shall record and maintain records of the amount of each fuel combusted during each operating 

day. 

Boiler 4 and the Temporary Boiler are subject to this recordkeeping requirement. EPA has also made a 

determination that for boilers that are gas-fired only, monthly fuel use records are adequate. (See EPA 

Applicability Determination Index – Control Number 0600056.) 

(2) As an alternative to meeting the requirements of paragraph (g)(1) of this section, the owner or operator of an 

affected facility that combusts only natural gas, wood, fuels using fuel certification in §60.48c(f) to demonstrate 

compliance with the SO2 standard, fuels not subject to an emissions standard (excluding opacity), or a mixture of 

these fuels may elect to record and maintain records of the amount of each fuel combusted during each calendar 

month. 

(3) As an alternative to meeting the requirements of paragraph (g)(1) of this section, the owner or operator of an 

affected facility or multiple affected facilities located on a contiguous property unit where the only fuels 

combusted in any steam generating unit (including steam generating units not subject to this subpart) at that 

property are natural gas, wood, distillate oil meeting the most current requirements in §60.42C to use fuel 

certification to demonstrate compliance with the SO2 standard, and/or fuels, excluding coal and residual oil, not 

subject to an emissions standard (excluding opacity) may elect to record and maintain records of the total amount 

of each steam generating unit fuel delivered to that property during each calendar month. 

(h) The owner or operator of each affected facility subject to a federally enforceable requirement limiting the 

annual capacity factor for any fuel or mixture of fuels under §60.42c or §60.43c shall calculate the annual 

capacity factor individually for each fuel combusted. The annual capacity factor is determined on a 12-month 

rolling average basis with a new annual capacity factor calculated at the end of the calendar month. 

(i) All records required under this section shall be maintained by the owner or operator of the affected facility for 

a period of two years following the date of such record. 

(j) The reporting period for the reports required under this subpart is each six-month period. All reports shall be 

submitted to the Administrator and shall be postmarked by the 30th day following the end of the reporting period. 

NESHAP Applicability (40 CFR 61) 

The project is not subject to any NESHAP requirements in 40 CFR 61. 

GACT Applicability (40 CFR 63) 

The project is not subject to any GACT standards in 40 CFR Part 63, specifically its boilers under Subpart 

DDDDD and JJJJJJ, as the facility has gas-fired boilers, and is not located at, or part of, a major source of HAP.  

Permit Conditions Review 

This section describes the permit conditions for this modified permit or only those permit conditions that have 

been added, revised, modified or deleted as a result of this permitting action. The General Provisions from the 

current template have been incorporated into this permitting action.  

Existing Permit Condition 1.1 
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Describes the scope of this permitting project. The facility has removed boilers 1, 3, and 5. The facility has also 

removed P6-1 and P6-2 from the process lines. The classification of the facility is changing to SM80 due to the 

incorporation of CO tracking requirements and an emission limit of 99 T/yr in CO. 

Existing Permit Condition 1.2 

Explains how to identify the revised, added, and modified permit conditions.  

Existing Permit Condition 1.3 

Lists the regulated sources.  

Section 2 in the Permit was taken directly from the Existing Tier I Operating Permit and put into this PTC, 

because upon issuance of this PTC the Tier I Operating permit will be terminated.  

Newly Added Permit Condition 2.1  

Establishes facility-wide CO tons per year emission limit to maintain the facility classification of SM80 and 

terminate the current Tier I Operating permit.  

Newly Added Permit Condition 2.2 

Requires the permittee to remove or render inoperable boilers 1, 3, 5, and the P6-1 dryer, such that these emission 

units no longer have the potential to emit a regulated air pollutant. Reclassification from a major facility to a 

synthetic minor facility, no longer requiring the facility to hold a Tier One operating permit is based on this 

requirement and Facility-Wide CO Emission Limit permit condition.  

Newly Added Permit Condition 2.3 

Establishes the monitoring and recordkeeping to demonstrate compliance with the facility-wide CO annual 

emission limit permit condition.   

Newly Added Permit Condition 2.4 

Establishes the notification requirements to demonstrate compliance with Boilers 1, 3, 5, and P6-1 Dryer Removal 

or Render Inoperable Requirement permit condition.   

Existing Permit Condition 3.1 

Is a revised process description of the facility after the removal of boilers 1, 3, and 5, as well as the removal of 

P6-1 and P6-2, and the installation of the temporary boiler.  

 

 

Existing Permit Condition 3.2 

This permit condition was revised to reflect the removal of boilers 1, 3, and 5, and the installation of the 

temporary boiler.  

Existing Permit Condition 3.3 

Was revised to reflect the current emissions after the removal of boilers 1, 3, and 5, and the installation of the 

temporary boiler.  

Newly Added Permit Condition 3.4 

Establishes the opacity limit permit condition for the boiler stacks.  

Newly Added Permit Condition 3.7 

Establishes that only one boiler shall operate at a single time. The emissions and the modeling was analyzed with 

only one boiler operating at a single time.  

Newly Added Permit Condition 3.10 
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Establishes the monitoring and recordkeeping requirements to demonstrate compliance with the Boiler 4 and 

Temporary Boiler Operations permit condition. This permit condition will allow the permit to show that only one 

boiler operates at a single time.  

Existing Permit Condition 5.2 

This permit condition was revised to reflect the removal of P6-1 and P6-2 from Process Line B.  

Existing Permit Condition 5.3 

This permit condition was revised to reflect the removal of P6-1and P6-2 from Process Line B.  

PUBLIC REVIEW 

Public Comment Opportunity 

Because this permitting action does not authorize an increase in emissions, an opportunity for public comment 

period was not required or provided in accordance with IDAPA 58.01.01.209.04 or IDAPA 58.01.01.404.04. 

 



 

APPENDIX A – EMISSIONS INVENTORIES 







 

APPENDIX B – POINT STACK RELEASE PARAMETERS 

 



 

APPENDIX C – AMBIENT AIR QUALITY IMPACT ANALYSES 
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Table 1.  KEY ASSUMPTIONS USED IN MODELING ANALYSES 
Criteria/Assumption/Result Explanation/Consideration 

General Emission Rates:  Emission rates used in the air impact 
analyses, as listed in this memorandum, must represent maximum 
potential emissions as given by design capacity, inherently 
limited by the nature of the process or configuration of the 
facility, or as limited by the issued permit for the specific 
pollutant and averaging period. 

Compliance has not been demonstrated for emission rates 
greater than those used in the air impact analyses. 

Temporary Operation:  Approval of this project is partially 
based on the temporary duration of the boiler and the cessation of 
production operations prior to 2021. 

NAAQS compliance is not demonstrated to DEQ’s 
satisfaction if operations continue beyond December 31, 
2020. 

No Simultaneous Operation with Boiler 4:  Analyses were 
performed assuming Boiler 4 and the Temporary Boiler will not 
operate simultaneously.   

NAAQS compliance is not assured if Boiler 4 is operating 
while the Temporary Boiler is operating. 

 
 
2.0  Background Information 
 
This section provides background information applicable to the project and the site proposed for the 
facility.  It also provides a brief description of the applicable air impact analyses requirements for the 
project. 
 
2.1  Project Description 
 
The BAF Temporary Boiler project is a PTC modification for operations at the BAF Facility located in 
Shelley, Idaho.  The 98.6 MMBtu/hour natural gas temporary boiler is needed because of unreliable 
existing boiler operation at the facility.  BAF has deactivated Boilers 1 and 3, and BAF will operate the 
temporary boiler to complement Boiler 4.  Also, the production line associated with stacks P6-1 and P6-2 
is not operational and equipment has been removed.  Finally, all production activities will cease at the 
Shelley facility by December 31, 2020. 
 
2.2  Proposed Location and Area Classification 
 
The facility is located Shelly, Idaho, within Bingham County (Northing: 4803050 m; Easting: 408715 m; 
UTM Zone 12).  This area is designated as an attainment or unclassifiable area for sulfur dioxide (SO2), 
nitrogen dioxide (NO2), carbon monoxide (CO), lead (Pb), ozone (O3), particulate matter with an 
aerodynamic diameter less than or equal to a nominal 10 micrometers (PM10), and particulate matter with 
an aerodynamic diameter less than or equal to a nominal 2.5 micrometers (PM2.5).  The area is not 
classified as non-attainment for any criteria pollutants. 
 
2.3  Air Impact Analyses Required for All Permits to Construct  
 
Idaho Air Rules Sections 203.02 and 203.03: 
 

No permit to construct shall be granted for a new or modified stationary source unless the 
applicant shows to the satisfaction of the Department all of the following: 
 
02. NAAQS. The stationary source or modification would not cause or significantly contribute to 
a violation of any ambient air quality standard. 
 
03. Toxic Air Pollutants.  Using the methods provided in Section 210, the emissions of toxic air 
pollutants from the stationary source or modification would not injure or unreasonably affect 
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human or animal life or vegetation as required by Section 161.  Compliance with all applicable 
toxic air pollutant carcinogenic increments and toxic air pollutant non-carcinogenic increments 
will also demonstrate preconstruction compliance with Section 161 with regards to the pollutants 
listed in Sections 585 and 586. 

 
Atmospheric dispersion modeling, using computerized simulations, is used to demonstrate compliance 
with both NAAQS and TAPs.  Idaho Air Rules Section 202.02 states: 
  

02. Estimates of Ambient Concentrations. All estimates of ambient concentrations shall be based 
on the applicable air quality models, data bases, and other requirements specified in 40 CFR 51 
Appendix W (Guideline on Air Quality Models). 

 
2.4  Significant Impact Level and Cumulative NAAQS Impact Analyses 
 
If specific criteria pollutant emission increases associated with the proposed permitting project cannot 
qualify for a BRC exemption as per Idaho Air Rules Section 221, then the permit cannot be issued unless 
the application demonstrates that applicable emission increases will not cause or significantly contribute 
to a violation of NAAQS, as required by Idaho Air Rules Section 203.02. 
 
The first phase of a NAAQS compliance demonstration is to evaluate whether the proposed 
facility/project could have a significant impact to ambient air.  Section 3.1.1 of this memorandum 
describes the applicability evaluation of Idaho Air Rules Section 203.02.  The Significant Impact Level 
(SIL) analysis for a new facility or proposed modification to a facility involves modeling estimated 
criteria air pollutant emissions from the facility or modification to determine the potential impacts to 
ambient air.  Air impact analyses are required by Idaho Air Rules to be conducted in accordance with 
methods outlined in Appendix W.  Appendix W requires that facilities be modeled using emissions and 
operations representative of design capacity or as limited by a federally enforceable permit condition.   
 
A facility or modification is considered to have a significant impact on air quality if maximum modeled 
impacts to ambient air exceed the established SIL listed in Idaho Air Rules Section 006 (referred to as a 
“significant contribution” in Idaho Air Rules) or as incorporated by reference as per Idaho Air Rules 
Section 107.03.b.  Table 2 lists the applicable SILs. 
 
If modeled maximum pollutant impacts to ambient air from the emission sources associated with a new 
facility or modification exceed the SILs, then a cumulative NAAQS impact analysis is necessary to 
demonstrate compliance with NAAQS and Idaho Air Rules Section 203.02.   
 
A cumulative NAAQS impact analysis for attainment area pollutants involves assessing ambient impacts 
(typically the design values consistent with the form of the standard) from potential/allowable emissions 
resulting from the project and emissions from any nearby co-contributing sources (including existing 
emissions from the facility that are unrelated to the project), and then adding a DEQ-approved 
background concentration value to the modeled result that is appropriate for the criteria 
pollutant/averaging-period at the facility location and the area of significant impact.  The resulting 
pollutant concentrations in ambient air are then compared to the NAAQS listed in Table 2.  Table 2 also 
lists SILs and specifies the modeled design value that must be used for comparison to the NAAQS.  
NAAQS compliance is evaluated on a receptor-by-receptor basis for the modeling domain. 
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Table 2.  APPLICABLE REGULATORY LIMITS 

Pollutant Averaging 
Period 

Significant 
Impact Levelsa 

(µg/m3)b 

Regulatory Limit c 
(µg/m3) Modeled Design Value Usedd 

PM10
e 24-hour 5.0 150f Maximum 6th highestg 

PM2.5
h 24-hour 1.2 35i Mean of maximum 8th highestj 

Annual 0.2 12k Mean of maximum 1st highestl 

Carbon monoxide (CO) 1-hour 2,000 40,000m Maximum 2nd highestn 
8-hour 500 10,000m Maximum 2nd highestn 

Sulfur Dioxide (SO2) 

1-hour 3 ppbo (7.8 µg/m3) 75 ppbp (196 µg/m3) Mean of maximum 4th highestq 
3-hour 25 1,300m Maximum 2nd highestn 
24-hour 5 365m Maximum 2nd highestn 
Annual 1.0 80r Maximum 1st highestn 

Nitrogen Dioxide 
(NO2) 

1-hour 4 ppb (7.5 µg/m3) 100 ppbs (188 µg/m3) Mean of maximum 8th highestt 
Annual 1.0 100r Maximum 1st highestn 

Lead (Pb) 3-monthu NA 0.15r Maximum 1st highestn 
Quarterly NA 1.5r Maximum 1st highestn 

Ozone (O3) 8-hour 40 TPY VOCv 70 ppbw Not typically modeled 
a. Idaho Air Rules Section 006 (definition for significant contribution) or as incorporated by reference as per Idaho Air 

Rules Section 107.03.b. 
b. Micrograms per cubic meter. 
c. Incorporated into Idaho Air Rules by reference, as per Idaho Air Rules Section 107.  
d. The maximum 1st highest modeled value is always used for the significant impact analysis unless indicated otherwise.  

Modeled design values are calculated for each ambient air receptor. 
e. Particulate matter with an aerodynamic diameter less than or equal to a nominal 10 micrometers. 
f. Not to be exceeded more than once per year on average over 3 years. 
g. Concentration at any modeled receptor when using five years of meteorological data. 
h. Particulate matter with an aerodynamic diameter less than or equal to a nominal 2.5 micrometers. 
i. 3-year mean of the upper 98th percentile of the annual distribution of 24-hour concentrations. 
j. 5-year mean of the 8th highest modeled 24-hour concentrations at the modeled receptor for each year of meteorological 

data modeled.  For the SIL analysis, the 5-year mean of the 1st highest modeled 24-hour impacts at the modeled receptor 
for each year. 

k. 3-year mean of annual concentration.   
l. 5-year mean of annual averages at the modeled receptor. 
m. Not to be exceeded more than once per year. 
n. Concentration at any modeled receptor. 
o. Interim SIL established by EPA policy memorandum. 
p. 3-year mean of the upper 99th percentile of the annual distribution of maximum daily 1-hour concentrations. 
q. 5-year mean of the 4th highest daily 1-hour maximum modeled concentrations for each year of meteorological data 

modeled.  For the significant impact analysis, the 5-year mean of 1st highest modeled 1-hour impacts for each year is used. 
r. Not to be exceeded in any calendar year. 
s. 3-year mean of the upper 98th percentile of the annual distribution of maximum daily 1-hour concentrations. 
t. 5-year mean of the 8th highest daily 1-hour maximum modeled concentrations for each year of meteorological data 

modeled.   For the significant impact analysis, the 5-year mean of maximum modeled 1-hour impacts for each year is 
used. 

u. 3-month rolling average. 
v. An annual emissions rate of 40 ton/year of VOCs is considered significant for O3. 
w. Annual 4th highest daily maximum 8-hour concentration averaged over three years. 
  
If the cumulative NAAQS impact analysis indicates a violation of the standard, the permit may not be 
issued if the proposed project has a significant contribution (exceeding the SIL) to the modeled violation.  
If project-specific impacts are below the SIL, then the project does not have a significant contribution to 
the specific violations.  
 
Compliance with Idaho Air Rules Section 203.02 is generally demonstrated if: a) applicable specific 
criteria pollutant emission increases are at a level defined as BRC, using the criteria established by DEQ 
regulatory interpretation1; or b) all modeled impacts of the SIL analysis are below the applicable SIL or 
other level determined to be inconsequential to NAAQS compliance; or c) modeled design values of the 
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cumulative NAAQS impact analysis (modeling all emissions from the facility and co-contributing 
sources, and adding a background concentration) are less than applicable NAAQS at receptors where 
impacts from the proposed facility/modification exceeded the SIL or other identified level of 
consequence; or d) if the cumulative NAAQS analysis showed NAAQS violations, the impact of 
proposed facility/modification to any modeled violation was inconsequential (typically assumed to be less 
than the established SIL) for that specific receptor and for the specific modeled time when the violation 
occurred. 
 
2.5  Toxic Air Pollutant Analyses  
 
Emissions of toxic substances are generally addressed by Idaho Air Rules Section 161: 
 

Any contaminant which is by its nature toxic to human or animal life or vegetation shall not be 
emitted in such quantities or concentrations as to alone, or in combination with other 
contaminants, injure or unreasonably affect human or animal life or vegetation. 

 
Permitting requirements for toxic air pollutants (TAPs) from new or modified sources are specifically 
addressed by Idaho Air Rules Section 203.03 and require the applicant to demonstrate to the satisfaction 
of DEQ the following: 
 

Using the methods provided in Section 210, the emissions of toxic air pollutants from the 
stationary source or modification would not injure or unreasonably affect human or animal life 
or vegetation as required by Section 161.  Compliance with all applicable toxic air pollutant 
carcinogenic increments and toxic air pollutant non-carcinogenic increments will also 
demonstrate preconstruction compliance with Section 161 with regards to the pollutants listed 
in Sections 585 and 586. 

 
Per Section 210, if the total project-wide emission increase of any TAP associated with a new source or 
modification exceeds screening emission levels (ELs) of Idaho Air Rules Section 585 or 586, then the 
ambient impact of the emission increase must be estimated.  If ambient impacts are less than applicable 
Acceptable Ambient Concentrations (AACs) for non-carcinogens of Idaho Air Rules Section 585 and 
Acceptable Ambient Concentrations for Carcinogens (AACCs) of Idaho Air Rules Section 586, then 
compliance with TAP requirements has been demonstrated.   
 
Idaho Air Rules Section 210.20 states that if TAP emissions from a specific source are regulated by the 
Department or EPA under 40 CFR 60, 61, or 63, then a TAP impact analysis under Section 210 is not 
required for that TAP.  The DEQ permit writer evaluates the applicability of specific TAPs to the Section 
210.20 exclusion. 
 
 
3.0  Analytical Methods and Data 
 
This section describes the methods and data used in the analyses to demonstrate compliance with 
applicable air quality impact requirements.  The DEQ Statement of Basis provides a discussion of the 
methods and data used to estimate criteria and TAP emission rates. 
 
3.1  Emission Source Data 
 
Emissions of criteria pollutants and TAPs resulting from operation of the proposed modifications were 
estimated by Coal Creek for various applicable averaging periods.  The calculation of potential emissions 
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is the responsibility of the DEQ permit writer, and the representativeness and accuracy of emission 
estimates is not addressed in this modeling memorandum.  DEQ air impact analysts are responsible for 
assuring that potential emission rates provided in the emission inventory are properly used in the model. 
The rates listed must represent the maximum allowable rate as averaged over the specified period.  
 
Emission rates used in the impact modeling applicability analyses and any impact analyses, as listed in 
this memorandum, should be reviewed by the DEQ permit writer and compared with those in the final 
emission inventory.  All modeled criteria air pollutant and TAP emission rates must be equal to or greater 
than the facility’s potential emissions calculated in the PTC emission inventory or proposed permit 
allowable emission rates.  
 
3.1.1 Modeling Applicability and Modeled Criteria Pollutant Emission Rates 
 
If project-specific emission increases for criteria pollutants would qualify for a BRC permit exemption as 
per Idaho Air Rules Section 221 if it were not for potential emissions of one or more pollutants exceeding 
the BRC threshold of 10 percent of emissions defined by Idaho Air Rules as significant, then a NAAQS 
compliance demonstration may not be required for those pollutants with emissions below BRC levels.  
DEQ’s regulatory interpretation policy of exemption provisions of Idaho Air Rules is that: “A DEQ 
NAAQS compliance assertion will not be made by the DEQ modeling group for specific criteria 
pollutants having a project emissions increase below BRC levels, provided the proposed project would 
have qualified for a Category I Exemption for BRC emissions quantities except for the emissions of 
another criteria pollutant.1”  The interpretation policy also states that the exemption criteria of 
uncontrolled potential to emit (PTE) not to exceed 100 ton/year (Idaho Air Rules Section 220.01.a.i) is 
not applicable when evaluating whether a NAAQS impact analyses is required.  A permit will be issued 
limiting PTE below 100 ton/year, thereby negating the need to maintain calculated uncontrolled PTE 
under 100 ton/year.  The BRC exemption cannot be used to exempt a project from a pollutant-specific 
NAAQS compliance demonstration in most cases where a PTC is required for the action regardless of 
emission quantities, such as the modification of an existing emission or throughput limit. 
 
A NAAQS compliance demonstration must be performed for pollutant increases that would not qualify 
for the BRC exemption from the requirement to demonstrate compliance with NAAQS.  Table 3 provides 
a comparison between emissions from the Temporary Boiler and BRC criteria.   
 

Table 3.  CRITERIA POLLUTANT  
NAAQS COMPLIANCE DEMONSTRATION REQUIREMENT APPLICABILITY 

Criteria Pollutant BRC Level 
(ton/year) 

Applicable New Source 
PTE Emissions 

(ton/year) 

Air Impact 
Analyses 

Required? 
PM10

a 1.5 0.15 No 
PM2.5

b 1.0 0.15 No 
Carbon Monoxide (CO) 10.0 12.8 Yes 
Sulfur Dioxide (SO2) 4.0 0.2 No 
Nitrogen Oxides (NOx) 4.0 12.6 Yes 
Lead (Pb) 0.06 0.0002 No 
Volatile Organic Compounds (VOCs) 4.0 1.9 No 

a. Particulate matter with an aerodynamic diameter less than or equal to a nominal 10 micrometers. 
b. Particulate matter with an aerodynamic diameter less than or equal to a nominal 2.5 micrometers. 

 
Site-specific air impact modeling analyses may not be necessary for some pollutants, even where such 
emissions do not qualify for the BRC exemption.  DEQ has developed modeling applicability thresholds, 
below which a site-specific modeling analysis is not required.  DEQ generic air impact modeling analyses 
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that were used to develop the modeling thresholds provide a conservative SIL analysis for projects with 
emissions below identified threshold levels.  Project-specific modeling applicability thresholds are 
provided in the Idaho Air Modeling Guideline2.   These thresholds were based on assuring an ambient 
impact of less than the established SIL for specific pollutants and averaging periods.   
 
If total project-specific emission rate increases of a pollutant are below Level I Modeling Applicability 
Thresholds, then project-specific air impact analyses are not necessary for permitting.  Use of Level II 
Modeling Applicability Thresholds are conditional, requiring DEQ approval.  DEQ approval is based on 
dispersion-affecting characteristics of the emission sources such as stack height, stack gas exit velocity, 
stack gas temperature, distance from sources to ambient air, presence of elevated terrain, and potential 
exposure to sensitive public receptors.   
 
DEQ determined Level II Modeling Applicability Thresholds were appropriate for the project based on 
the following:   
 

1)  high stack height - only slightly below modeling used to generate Level II Thresholds;  
 
2)  stack temperature well above what was used to generate Level II Thresholds, which will increase 

plume rise and decrease ground-level impacts;  
 
3)  flow rates that are only slightly below those used to generate Level II thresholds;  
 
4)  there is a net decrease in emissions of all criteria pollutants because of the removal of Boilers 1, 

3, and 5 and the removal of emissions from source P6-1 and P6-2;  
 
5)  emissions from production activities will cease after December 31, 2020.   

 
Although the approximate 10-meter distance between the Temporary Boiler stack and the ambient air 
boundary is substantially less than what was used to generate Level II Thresholds (100 meters), DEQ 
determined Level II was still appropriate because of the offsetting emission sources.  Table 4 provides a 
comparison between emissions for specific averaging periods and modeling applicability thresholds.  A 
site-specific impact analysis was only triggered for 1-hour NOx.   
 

Table 4.  SITE-SPECIFIC CRITERIA POLLUTANT MODELING APPLICABILITY 

Pollutant Averaging 
Period Emissions 

Level I 
Modeling 

Thresholds 

Level II 
Modeling 

Thresholdsa 

Site-Specific 
Modeling 
Required? 

Carbon Monoxide (CO) 1-hour, 8-hour 3.7  lb/hr 15 175 No 

Nitrogen Oxides (NOx)  1-hour 3.6  lb/hr 0.20 2.4 Yes 
Annual 12.6  ton/yr 1.2 14 No 

a. DEQ determined Level II Modeling Thresholds are appropriate for this project.  
b. Particulate matter with an aerodynamic diameter less than or equal to a nominal 10 micrometers. 
c. Particulate matter with an aerodynamic diameter less than or equal to a nominal 2.5 micrometers. 

 
Ozone (O3) differs from other criteria pollutants in that it is not typically emitted directly into the 
atmosphere.  O3 is formed in the atmosphere through reactions of VOCs, NOx, and sunlight.  
Atmospheric dispersion models used in stationary source air permitting analyses cannot be used to 
estimate O3 impacts resulting from VOC and NOx emissions from an industrial facility.  O3 
concentrations resulting from area-wide emissions are predicted by using more complex airshed models 
such as the Community Multi-Scale Air Quality (CMAQ) modeling system.  Use of the CMAQ model is 
very resource-intensive and DEQ asserts that performing a CMAQ analysis for a particular permit 
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application is not typically a reasonable or necessary requirement for air quality permitting.   
Addressing secondary formation of O3 within the context of permitting a new stationary source has been 
somewhat addressed in EPA regulation and policy.  As stated in a letter from Gina McCarthy of EPA to 
Robert Ukeiley, acting on behalf of the Sierra Club (letter from Gina McCarthy, Assistant Administrator, 
United States Environmental Protection Agency, to Robert Ukeiley, January 4, 2012): 
 

. . . footnote 1 to sections 51.166(I)(5)(I) of the EPA’s regulations says the following: “No de 
minimis air quality level is provided for ozone.  However, any net emission increase of 100 tons 
per year or more of volatile organic compounds or nitrogen oxides subject to PSD would be 
required to perform an ambient impact analysis, including the gathering of air quality data.” 

 
The EPA believes it unlikely a source emitting below these levels would contribute to such a 
violation of the 8-hour ozone NAAQS, but consultation with an EPA Regional Office should 
still be conducted in accordance with section 5.2.1.c. of Appendix W when reviewing an 
application for sources with emissions of these ozone precursors below 100 TPY.”   

 
DEQ determined it was not appropriate or necessary to require a quantitative source-specific O3 impact 
analysis because allowable emission estimates of VOCs and NOx are below the 100 tons/year threshold.   
 
Table 5 lists applicable emissions for a SIL analysis. 
 

Table 5.  EMISSIONS FOR NOx SIL ANALYSIS 

Source / Description 
1-hour NOx 
Emissions 

(pounds/hour) 
Temporary Boiler – new source added  3.59 
Boiler 1 – boiler removed -3.87 
Boiler 3 – boiler removed -2.83 
Boiler 5 – boiler removed -1.76 
Boiler 4 – boiler will not operate when the Temporary Boiler is operating -10.16 
P6-1 – no emissions because removal of the P6 production line -10.33 
 
3.1.2  TAPs Modeling Applicability 
 
TAP emission regulations under Idaho Air Rules Section 210 are only applicable for new or modified 
sources constructed after July 1, 1995.   Also, TAP emissions are only regulated on an incremental basis.  
Existing emissions are not considered in the evaluation. 
 
The DEQ permit writer determined that the boiler is subject to 40 CFR 60, 61, or 63.  Emissions of TAPs 
regulated by these sections are excluded from Idaho TAP requirements, as described in Section 2.5 of this 
memorandum.  Emissions of all other TAPs (those not regulated by 40 CFR 60, 61, or 63) are below 
applicable ELs 
 
3.1.3 Emission Release Parameters 
 
Table 5 lists emission release parameters, including stack height, stack diameter, exhaust temperature, and 
exhaust velocity for emission sources evaluated in the air impact analyses.  Emission point release 
parameters were based on information provided by the applicant.   
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Table 5.  POINT SOURCE STACK PARAMETERS 

Release 
Point 

Stack 
Height 
(feet) 

Stack Gas 
Flow 

Temp. 
(oFahrenheit) 

Stack Gas  
Flow 

Velocity 
(feet/second) 

Orient. of Release 

Temp. Boiler 30 550 60 capped 
Boiler 1 34 390 41 vertical 
Boiler 3 33 320 25 vertical 
Boiler 4 38 134 23 vertical 
Boiler 5 42 300 44 vertical 
P6-1 51 127 49 vertical 
P6-2 51 100 51 vertical 
 
 
3.2  Background Concentrations 
 
Background concentrations are used if a cumulative NAAQS impact analysis is needed to demonstrate 
compliance with applicable NAAQS.  Cumulative NAAQS analyses were not required for this project 
because emissions either:  1) all criteria pollutants were below levels defined as BRC, and as such, a 
NAAQS compliance demonstration was not required for these emissions; or 2) DEQ determined that 
modeled impacts for this project were below SILs, and a cumulative impact analysis was not triggered.   
 
3.3  Impact Modeling Methodology and Results 
 
This section describes the modeling methods used by the applicant and DEQ to demonstrate 
preconstruction compliance with applicable air quality standards.   
 
A semi-quantitative SIL analysis was performed for the project rather than the typical SIL analysis 
because of the following: 
 

1) All production activities will cease at the facility by December 31, 2020.  Therefore, certainty of 
NAAQS/SIL compliance is not as critical as for more permanent sources. 

 
2) There is no production increase associated with the proposed modification and emission 

emissions associated with a unit level of production will decrease with use of the Temporary 
Boiler. 

 
3) The 1-hour NO2 NAAQS is a 3-year average of 1-hour design value impacts for each year (98th 

percentile of the distribution of maximum daily 1-hour concentrations).  The SIL is also a 3-year 
average, but the design value impact is the maximum 1-hour concentration.  EPA modeling 
policy allows use of a 5-year average if the meteorological data are available.  If a new source 
will remain for less than one year, then the 3-year average would be substantially reduced. 

 
4) The result of the project is a substantial reduction in NO2 emissions.  Although the magnitude of 

impacts associated with both the Temporary Boiler and the sources removed are nearly the same, 
the reductions do not offset impacts of the Temporary Boiler in time and space.  Therefore, even 
though the project represents a net benefit in NO2 impacts over the general area, a typical SIL 
analysis would show net impacts paired in time and space that exceed the SIL and trigger 
cumulative impact analysis.  
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Considering the points discussed above, DEQ determined that a typical SIL analysis is not appropriate for 
the Temporary Boiler project.  To provide additional assurance of minimal impacts resulting from the 
project, Coal Creek performed specialized analyses.  The analyses used the model setup from a previous 
impact analysis performed for the facility, with meteorological data from Idaho Falls airport.  The 
emission rates shown in Table 5 were used in the SIL analysis.  Figure 1 below, taken from the Coal 
Creek PTC application materials, shows receptors where the SIL was initially exceeded. 
 
Coal Creek asserted that given the close proximity of impacted receptors to the emission source, little 
additional NO to NO2 conversion would occur from the point of release to the atmosphere.  Using an 
average NO2/NOx ratio of 0.15, based on data from the BAF Blackfoot Facility Boiler 2A and the 
Madera Community Hospital boiler, the maximum net impact would effectively be equal to the SIL. 
 
Coal Creek also performed an analysis to show where there were net air quality benefits from the sources 
removed.  This was accomplished by modeling the removed sources as positive values and the Temporary 
Boiler as a negative value.  NOx chemistry was not considered in this analysis, so the reduction in 
impacts is overstated somewhat.  Also, DEQ did not verify that emissions from the removed sources 
could be realized in actual production operations.  Figure 2 provides the plot of areas showing the 
maximum reduction in impacts.  
 
 
4.0  Conclusions 
 
The information and analyses submitted with the PTC application, combined with DEQ’s review of those 
analyses, demonstrated to DEQ’s satisfaction that emissions from the BAF Shelly Facility Temporary 
Boiler Project will not cause or significantly contribute to a violation of any applicable ambient air quality 
standard or TAP increment. 
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Figure 1:  NO2 preliminary SIL analysis results (net impacts paired in time/space and no NOx chemistry) 
 

 
 
 
 
 
 
 
  



 

APPENDIX D – FACILITY DRAFT COMMENTS 



 

The following comments were received from the facility on July 27, 2020: 

Facility Comment: None. 



 

APPENDIX E – PROCESSING FEE 

 




